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PSEC PROGRESS PHOTOGRAPHS

The following presents recent photographs of the key construction activities at the PSEC.
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STATUS OF PERMITS AND APPROVALS

The PSEC must be designed, constructed, and operated in compliance with applicable federal, state, and
local regulations, guidelines, policies, codes, standards, and laws. The following table lists the current
status of the key permits and approvals required from various federal, state, and local agencies before the
PSEC can be constructed and placed into commercial operation.

Status of Key Generating Facility and Mine Permits and Approvals

APPROVAL RESPONSIBLE CURRENT STATUS COMMENTS
AGENCY
FEDERAL
“No Hazard” Federal Aviation Determinations for the Required for construction and to
Determination Administration (“FAA”) | stack, turbine buildings, | demonstrate no hazards to

Obstruction Evaluation
Services (“OES™)

and boiler buildings
issued May 2007 and
expired November 30,
2008. January 15, 2008
email from FAA stated
that no extension was
necessary and
construction could
continue.

aviation.

There is a requirement to submit a
supplemental notice when
structures achieve final height.

Hazardous Waste

United States

To be obtained prior to

Required for the management and

Identification Number Environmental start of operation, if disposal of materials used in plant
Protection Agency necessary. operations, such as solvents and
(“USEPA”) paints, categorized as hazardous
waste. Disposal must follow
manifest tracking system.
Oil Spill Prevention USEPA To be prepared prior to Required as per 40 CFR 112, Oil

Control and
Countermeasure Plan

the start of operation, if
needed.

Pollution Prevention regulations, if
the PSEC stores more than 1,320
gallons at the Site). Plan must be
prepared before start of operation.

Clean Water Act Section
10 and Section 404
Permits

U. S. Corps of Engineers
(“USCOE”)

Renewal of Nationwide
Permits® 7, 12, 13, 14,

and 33 issued February
23,2007.

Required for construction of intake
or outfall structures in navigable
waters of the US and for discharge
of dredge or fill material into
jurisdictional water.

% Nationwide permits are general permits intended to provide a streamlined form of Department of the Army
authorization for activities that result in minimal individual and cumulative adverse effects on the aquatic
environment and to satisfy other public interest review factors.

R. W. Beck, Inc.
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Status of Key Generating Facility and Mine Permits and Approvals

APPROVAL RESPONSIBLE CURRENT STATUS COMMENTS
AGENCY
Risk Management Plan USEPA Must be submitted prior | Required under 40 CFR 68 to
to receipt of ammonia at | address potential accidental
site. releases of hazardous chemicals
stored onsite greater than a
threshold quantity.
Threatened and US Fish and Wildlife USCOE Section 404 Required to assess impact of
Endangered (“T&E”) Service permit states that PSEC on local species.
Species Determination USCOE has determined

that the activity will
have no effect on
endangered species.

STATE

Air Quality Construction
Permit

Illinois Environmental
Protection Agency
(‘$IEPA’9)

Issued April 28, 2005.
Became effective
August 24, 2007.

Required to construct an air
emissions source. Sets forth air
emission limits, monitoring, and
reporting requirements. Was
appealed to and upheld by the
USEPA Environmental Appeals
Board and the 7™ Circuit Court of
Appeals in August 2006 and
August 2007, respectively.

Title IV Acid Rain IEPA Included in Air Quality | Necessary for compliance with

Permit Construction Permit. SO, allowance requirements.

Title V Permit to IEPA To be applied for within | Will incorporate all air quality

Operate 12 months of the start of | permit requirements into one
operation document

Water Withdrawal [llinois Department of Approval issued Allows withdrawal of water from

Natural Resources

September 17, 2002.

the Kaskaskia River.

(“IDNR™) Expires September 17,
2042

National Pollutant IEPA Permit No. ILR10 Required for stormwater
Discharge Elimination effective August 11, management during construction.
System (“NPDES”) 2008. Expires July 31,
General Permit for 2013.
Discharges of
Stormwater Associated
with Construction
Activities
NPDES Permit for IEPA NPDES Permit No. Required for discharge of cooling
Discharge of IL0076996 issued tower blowdown. Includes

Wastewater from
Industrial Activities

December 5, 2005.
Permit effective through
November 30, 2010.

stormwater.
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Status of Key Generating Facility and Mine Permits and Approvals

APPROVAL RESPONSIBLE CURRENT STATUS COMMENTS
AGENCY
NPDES Permit for IEPA Not required Included in NPDES permit for
Stormwater Discharges wastewater discharge.
Associated with
Industrial Activities
Joint Permit for Water USCOE and IDNR Permit No. DS2002134 | Required for construction of intake

Obstruction and
Encroachment

issued September 17,
2002 and reissued June
24,2005. Expires
September 17, 2042, or
on December 31, 2009
(extension issued July 9,
2008) if construction of
intake structure is not
complete.

structures, outfalls, and culverts.
PSGC reports that construction
will likely not be completed prior
to permit expiration. Thus, a
renewal will be applied for.

Cultural and Historical
Resources Determination

Illinois Historic
Preservation Office

Various “clearance” and
“no further action” letters

Required to assess the impact of the
PSEC on cultural and historical

(“IHPO”) issued in 2005 and 2006. | resources.
MINE AND CCW PERMITS
Coal Combustion Waste | IDNR Permit No. 378 issued by | Authorizes waste disposal and
Disposal Authorization IDNR October 30, 2007. | reclamation operations at the
Expires October 29, Jordan Grove mine. Capacity at
2012. the Jordan Grove mine for CCW
disposal is currently estimated at 9
to 10 years.
NPDES Permit for IEPA Permit 1L0077844 Required for discharge of alkaline
Discharge of issued July 9, 2008. mine drainage and stormwater at
Wastewater from Expires June 30, 2013. the Jordan Grove mine.
Industrial Activities
NPDES Permit for IEPA NPDES Permit No. Required for discharge of alkaline
Discharge of IL0077526 issued mine drainage at the Lively Grove
Wastewater from February 27, 2006. Mine.
Industrial Activities Permit expires January
31,2011.
Mining and Reclaim IDNR Permit No. 373 issued Authorizes mining and

Operations

June 21, 2005. Expires
June 20, 2010

reclamation operations at the
Lively Grove Mine.

Based on our review, PSEC has identified the key permits and approvals required from various federal,
state, and local agencies necessary to construct and operate the PSEC. PSEC has obtained all of the
permits required construction of the PSEC. Certain of the permits and approvals that will be required for
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operation have not yet been obtained and certain of the permits/approvals will require renewal. PSEC
reports that it will apply for needed permits and approvals and for renewal of expired permits and
approvals when required. We did not identify any technical or engineering circumstance that would
prevent the issuance or renewal of such permits and approvals. In addition, the Generating Facility
should be capable of ultimately complying with the emissions limits and other conditions set forth in the
key permits and approvals that we reviewed.

ENVIRONMENTAL CONSIDERATIONS

In 1998, the USEPA promulgated the “NOx State Implementation Plan Call Rule” for the purpose of
controlling NOx emissions in much of the eastern United States. Subsequently, Section 126 Petitions filed
with the USEPA by certain states imposed similar requirements on additional (upwind) states, including
Ilinois. In 2003 and 2004, under the NOx SIP Call and Section 126 petitions, the USEPA began
administering the NOx Budget Trading Program as a market-based cap-and-trade program to reduce NOx
emissions. On May 12, 2005, the USEPA adopted the Clean Air Interstate Rule (“CAIR”) aimed at
further controlling the emissions of NOx. The CAIR program was designed to impose NOx requirements
similar to the NOx Budget Trading Program, which the USEPA had planned to cease administering after
2008. As required by the USEPA rules, Illinois adopted rules to implement CAIR requirements that were
to impose additional NOx allowance obligations on certain emission sources, including the PSEC. Under
CAIR, affected facilities, such as the PSEC, were to be assigned allowances from the state’s available
pool of allowances each year in accordance with formulae based upon the facilities’ historical operations
and rule-specified emissions factors. The first phase of the newly-adopted CAIR was to take effect in
2009, with additional ratcheting of allocated allowances beginning in 2015.

On July 11, 2008, the United States Court of Appeals for the District of Columbia Circuit (“Court”)
decided to vacate CAIR in response to petitions for review challenging various aspects of the rule.
Because the Court found more than several fatal flaws in CAIR and the USEPA adopted CAIR as one
integral action, the Court vacated CAIR and its associated Federal Implementation Plan in its entirety and
remanded both to the USEPA to promulgate a rule that is consistent with the Court’s opinion. The Court
noted that in the absence of CAIR, the NOyx SIP Call (NOx Budget) trading program would continue,
because USEPA terminated the program only as part of the CAIR rulemaking. The Court noted that
continuation of the NOx SIP Call should mitigate any disruption that might result from vacating CAIR at
least with regard to NOx, and, in addition, downwind states retain their statutory right to petition for
immediate relief from unlawful interstate pollution.

On October 21, 2008, the Court issued an Order related to CAIR. The Order directed the Petitioners (the
state of North Carolina and others) to address “(1) whether any party is seeking vacatur of the Clean Air
Interstate Rule, and (2) whether the court should stay its mandate until [USEPA] promulgates a revised
rule.” The Court on December 23, 2008 temporarily reinstated CAIR so that USEPA could rewrite the
cap-and-trade rule to be in compliance with the Court’s July 2008 decision. As a result of the Court’s
most recent ruling, 28 mostly eastern states and the District of Columbia must reduce NOyx beginning
January 1, 2009 by requiring power plants to participate in an interstate cap-and-trade system
administered by USEPA that caps emissions in two stages or through measures devised by individual
states. The Court did not set a deadline for the USEPA to rewrite CAIR, but indicated that its stay of the
July 2008 ruling was not intended to be indefinite. The specific changes to the rule to be made by
USEPA and the associated schedule for such changes are not known at the present time.

The exact number of NOx allowances to be allocated to the PSEC is not presently known. Based on
information provided by PSEC, the impact of complying with the CAIR NOx rules (purchasing ozone
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season and annual allowances) has been estimated in the Projected Operating Results by assuming that
the PSEC will receive an allocation of 67 percent of the required allowances and the additional
allowances required will be purchased from the NOy allowance market.

The PSEC is subject to Title IV of the Clean Air Act Amendments of 1990 (Acid Rain Provisions)
whereby each unit within the PSEC must possess SO, allowances to cover its emissions. In addition,
should CAIR remain in effect, it will impose additional SO, requirements on the PSEC beginning in 2010
with further requirements beginning in 2015. As a new facility, the PSEC will not be allocated any SO,
allowances under CAIR and must purchase all its allowance requirements from the marketplace. The
future cost of SO, allowances will be market dependent and could be lower or higher than the values for
such allowances assumed herein. The impact of complying with the CAIR SO, rules has been estimated
in the Projected Operating Results.

As a result of commitments made to the United States Fish & Wildlife Service in response to concerns
expressed regarding the impact the PSEC could have in the Mingo Wildlife Refuge in southeastern
Missouri, the Air Permit contains requirements for PSEC to surrender additional SO, allowances above
those otherwise required by the Acid Rain Program in an amount equal to 25 percent of the actual SO,
emissions from the units until CAIR or a CAIR-like program which requires further SO, emission
reductions from PSEC is adopted and in effect. This agreement is not expected to have an impact on
PSEC since CAIR is currently in effect and is expected to continue. If, for some reason, CAIR is again
vacated, and if there is not another federal or state program requiring SO, emission reductions from PSEC
in effect by the time the units commence operation, PSEC will be required to surrender additional SO,
allowances as agreed upon. The projected operating results are reflective of CAIR requirements.

Since the issuance of the Initial Feasibility Study’, several developments have occurred with regard to the
Clean Air Mercury Rule (“CAMR”). Petitions for review of two final rules promulgated by the USEPA
were heard before a three judge panel of the United States Court of Appeals for the District of Columbia
Circuit on December 6, 2007. The first rule removed coal and oil-fired electric generating units
(“EGUs”) from the list of sources whose emissions are regulated under Section 112 of the Clean Air Act
(“CAA”). The second rule set performance standards pursuant to Section 111 of the CAA for new coal-
fired EGUs and established total mercury emission limits for states and certain tribal areas, along with a
cap-and-trade program for new and existing coal-fired EGUs. On February 8, 2008, the Court
recommended that these two rules be vacated. A mandate was issued by the Court on March 14, 2008,
formally overturning the two rules. The order eliminated the CAMR, and the regulation of mercury
emissions from coal-fired EGUs now falls under the requirements of Section 112, Maximum Available
Control Technology (“MACT”) standards. There are, however, no MACT standards for mercury in place
at the current time, and the timeframe for rule development is currently unknown. However, as the [EPA
accounted for the possibility that the CAMR would be challenged, case-by-case MACT requirements
were incorporated by the IEPA into the control technology determinations contained in the Air Permit
conditions. As required by IEPA, PSGC submitted a source-specific MACT analysis and determination
for mercury which is included in the Air Permit.

Illinois has adopted mercury emission standards for new EGUs that apply to the PSEC. The rule requires
EGUs that have not commenced commercial operation before January 1, 2009 to meet either an emission

3 R. W. Beck was engaged by AMP to prepare an Initial Project Feasibility Study for the PSEC. This study was
completed in August 2007.
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standard of 0.0080 Ib mercury/GWh (gross electrical output) or achieve a minimum 90 percent reduction
of input mercury PSEC's air permit takes into account the adopted Illinois standards for mercury
emissions.

The possibility of regulating greenhouse gases such as CO, is receiving a great deal of attention within
the United States Congress, many state legislatures and the USEPA. On July 11, 2008, the USEPA
released an Advance Notice of Proposed Rulemaking soliciting public input relating to climate change.
No rulemakings have been proposed to date. Similarly, Illinois has not announced specific plans to
regulate CO,. Illinois has announced target reductions for CO,, and Illinois is a member of the Midwest
Greenhouse Gas Accord, which is a regional organization currently evaluating different programs and
methodologies for CO, control.

Since the preparation of the Initial Feasibility Study, there has been additional new proposed legislation
introduced in the US Senate to limit CO, emissions. The proposed bills apply to a broad spectrum of
industry sectors, including the electric utility industry. At this time, there does not appear to be a
consensus as to what the level of future regulation of CO, emissions will be (if any), or the costs
associated with that regulation, but any such costs would impact the PSEC and the entire energy industry,
including future market prices for electricity. Since the method and the specific details of potential
regulation are not presently known, the financial impact to the PSEC cannot be specifically determined
and the cost impact to the PSEC could be significant. As of the date of this Report, no federal legislation
has been passed to address CO, emissions. It is likely that some form of regulation at the state, regional,
and/or federal level will occur at some point in the future.

The U. S. House of Representatives passed H.R. 2454, the American Clean Energy and Security Act of
2009 (ACES), on June 26, 2009. This bill was sponsored by Energy and Commerce Committee Chair
Henry Waxman and Energy and Environment Subcommittee Chair Ed Markey (referred to herein as
“ACES” or the “Waxman-Markey Bill”). The Waxman-Markey Bill is a comprehensive energy bill that
includes a cap-and-trade global warming reduction plan designed to reduce economy-wide, greenhouse
gas emissions 17 percent below 2005 levels by 2020 increasing to 83 percent below 2005 levels by 2050.
Other provisions include new renewable requirements for utilities, studies and incentives regarding new
carbon capture and sequestration technologies, energy efficiency incentives for homes and buildings, and
grants for green jobs, among other things.

On September 30, 2009, Senator John Kerry, Chairman of the Foreign Relations Committee, and Senator
Barbara Boxer, Chairman of the Committee on Environment and Public Works, released their draft
climate change bill, entitled Clean Energy Jobs and American Power Act (referred to herein as the
“Kerry-Boxer Bill”). The draft bill addresses the impacts of climate change and the benefits of
transitioning to a clean energy economy and establishes targets for reducing global warming pollution.

The outcome of Senate consideration of the Waxman-Markey Bill, Kerry-Boxer Bill or other climate
change legislation to address CO, emissions cannot be predicted at this time.

For purposes of demonstrating the potential impact of CO, costs on the projections set forth herein, R. W.
Beck conducted a sensitivity analysis that included an estimate of CO, costs in the projected power costs
of the Project. The sensitivity analysis was based on a CO, emission rate from the PSEC of 2,200
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Ib/MWhr. For the Sensitivity Case, CO, cost estimates were based on an analysis of the Waxman-
Markey Bill.*

The results for the sensitivity cases indicate that the projected annual costs of the Project over the period
2011 through 2025 on average are estimated to be lower than the projected market prices in the region
where the PSEC is located. For more information see the section of this Report entitled “PROJECTED
FINANCING REQUIREMENTS AND OPERATING RESULTS — Sensitivity Analysis.”

There are several regulations that are either proposed, promulgated, or in the discussion stages as of the
date of this Report. These regulations, if implemented, could increase capital expenditures and operations
and maintenance costs at existing and new generating facilities. Such potential regulations impact
particulate matter of 2.5 microns or less, regional haze, regional visibility, mercury control, water intake
structure regulations, potential ratcheting of SO, and NOx allowances beyond 2010, and toxic emissions
control. Even though some of these regulations have already been promulgated, many, if not all, of the
promulgated regulations are still in the implementation phase. Therefore, the timing and specific
requirements that might be imposed on the PSEC are not presently known.

GENERATING FACILITY OPERATIONS

The Generating Facility will be operated and maintained primarily by permanent PSGC staff, with
technical advice and operational expertise solicited from various qualified PSEC Owners and qualified
third parties as determined by PSGC to be in its best interests. The Mine will be staffed entirely with
PSGC personnel. Under the terms of the Mine Technical Services Agreement, Peabody Energy will
provide technical services in support of ongoing Mine operations and maintenance as necessary for a
period at least through the fifth anniversary of the substantial completion date of Unit 2 of the Generating
Facility.

PSEC PERFORMANCE AND OPERATIONS AND MAINTENANCE COSTS

In developing the Projected Operating Results for the PSEC, R. W. Beck relied primarily on information
supplied by PSGC, which was reviewed for reasonableness relative to other similar coal-fired generating
facilities with which we are familiar.

Based on information provided by PSGC, the development of the Projected Operating Results for the
PSEC was based on an assumed net plant capacity of 1,584 MW, considering some allowance for
degradation, and an average net plant heat rate of 9,390 Btu/kWh, which includes an allowance for
degradation over time and with full auxiliary equipment usage. The PSEC’s annual availability factor
was assumed to be approximately 88 percent, and we assumed the PSEC would be dispatched by all
PSEC Owners at maximum annual output into the MISO market based on projected market price levels.

Since each of the PSEC Owners acquired and has rights to its proportionate share of the underground coal
reserves, AMP’s annual coal costs consist of 23.26 percent of the total projected fixed and variable
operations and maintenance expenses associated with the mining and delivery by conveyor of that coal to

4 Analysis of the potential impacts of the Kerry-Boxer Bill on the projected annual costs of the Project is not
possible as of the date of this Report, given that certain key provisions are not yet complete and subsequent changes
to certain provisions in the bill as currently drafted are expected to occur.
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the Generating Facility. Estimates for the annual cost of coal for the PSEC were provided by PSGC and
were based on the 2007 Mine plan approved by the PSEC Owners in July 2007, and the most recent
update to the Mine plan prepared by PSGC in February 2008 and approved by the Management
Committee in April 2008. Annual estimates were based on details provided by PSGC and assume an
annual escalation rate based on the assumed rate of general inflation on all cost elements within the Mine
plan.

The projected operations and maintenance expenses and limestone, ammonia, and other reagent usage
rates were provided by PSGC and were based on the latest information provided by PSGC at the time of
this Report. Emissions rates were also based on projections provided by PSGC.

Projected fixed operating costs relating to the PSEC included expected annual costs for labor, fixed
operations and maintenance expenses, spare parts, major maintenance, contingencies, insurance, property
taxes and administrative and overhead costs. Projected variable operating costs for the PSEC included
limestone and other reagent usage, and the projected costs for ash disposal, chemicals, start-up fuel,
water, water treatment, emissions allowances, and MISO charges related specifically to generating unit
dispatch and operations. Emissions allowances were based on our projections of future emissions
allowance costs. All other operations and maintenance expenses, with the exception of property taxes and
insurance, were escalated from 2006 values provided by PSGC at the assumed rate of general inflation.

R. W. Beck reviewed PSGC’s projections for operations and maintenance expenses and PSEC
performance parameters and compared these estimates to its database of coal-fired generating resources,
and determined that these estimates, adjusted for direct comparison to other coal-fired generating facilities
with which it is familiar, were within the range expected.

SCHEDULE

For the purpose of the Projected Operating Results, we assumed that the first unit of the PSEC would be
substantially completed and ready for continuous energy production by August 1, 2011, and the second
by May 1, 2012, based on projections provided by PSGC. Based on our review of the overall PSEC
schedule, its construction status as of the date of this Report, equipment procurement and delivery status
and Bechtel’s ability, we believe this schedule is achievable provided that construction management,
construction oversight and contract incentives are pursued aggressively throughout the PSEC construction
period by the PSEC Owners.

CAPITAL COSTS

The estimated capital costs for construction of the Project are summarized in the following table, as
prepared by PSGC. The total construction costs include those for expected TPEPC Contract costs,
transmission facilities, Mine development, coal reserves, land and all PSGC development and
implementation costs through the construction of the PSEC. The target price contained in the TPEPC
Contract is $2.9 billion for the two units and includes all targeted costs associated with the engineering,
design, equipment, material, construction and start-up of the Generating Facility. The expected total
installed cost of the TPEPC Contract to PSGC was estimated by PSGC in August 2008 by adjusting the
target price to reflect actual approved change orders and the estimated cost impact of projected changes
within the TPEPC Contract through July 2008. Additional contingency percentages and escalation
estimates were also added to each line item by PSGC within the most recently approved PSEC budget to
account for the expected future costs for equipment, materials and supplies, commodities and labor costs
that had not been firmly committed at the time the revised budget was prepared.
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Coal reserve purchases represent those applicable to AMP’s entitlement share, and reflect the terms
applicable to AMP’s acquisition of its incremental interests at various times during the development of
the PSEC. Development and Owner’s Construction Period, Start-up and Other Costs reflect actual
development and other costs incurred through July 2008, as well as all other costs projected through the
completion of the Project for PSEC Owners’ engineering, environmental consultants, financial and legal
consultants and PSGC staff expenses, insurance programs, construction management, initial inventories,
spare parts, and initial working capital contained in the most recent PSEC budget, approved by the
Management Committee in September 2009.

Estimated PSEC Capital Costs

Description Total PSEC[1]  AMP Share $(000)
$(000)
TPEPC Contract [2] $ 3,360,910
Coal Mine Construction 206,094
Transmission Upgrades [3] 118,400
Development and Owners’ Construction Period,
Start-up and Other Costs [4] 494,734
Land, Sales and Property Taxes, and Fees [5] 108,429
Contingency Allowance [6] -
Total PSEC Capital Costs $ 4,288,567 $ 997,521 [7]
PSEC Coal Reserve Purchases [8] 26,612
Total PSEC Costs $ 1,024,133

[1] Based on 100 percent of the projected Project costs. Each line item in the budget includes a contingency allowance on projected
unexpended and uncommitted funds through the expected completion dates of each unit of the Generating Facility.

[2] The amount shown reflects the target price contained in the TPEPC Contract of $2.9 billion plus adjustments to account for actual
approved change orders through July 2009 and the estimated cost impact of projected changes within the TPEPC Contract thereafter.

[3] Estimated cost of transmission system upgrades required to interconnect the Generating Facility to the MISO system, based on an
estimate from Ameren and further adjusted by PSGC to include cost escalation and contingency.

[4] Includes construction costs that are outside of the TPEPC Contract, development costs, management costs, construction management
costs, infrastructure improvements, start-up costs, initial inventories and other PSGC costs. The total does not reflect an amount of
$40.3 million of estimated reimbursements and credits anticipated sometime after commercial operation of the PSEC. AMP’s share of
such reimbursements could be used to reduce the annual operating costs of the Project, accordingly.

[5] Reflects estimates of property taxes through 2011, and land costs, sales taxes and fees to be paid to Peabody Energy following the
completion of Unit 2 of the Generating Facility.

[6] Contingency allowances have been included in each line item of the budget and total approximately $277 million.

[7] Reflects AMP’s 23.26% share of the Project.

[8] AMP’s contracted amount for its allocation of the PSEC’s coal reserves.
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TRANSMISSION SERVICES

To deliver the output of the PSEC, (i) transmission upgrades required to interconnect the PSEC to the
MISO’ transmission system must be completed; and (ii) AMP should obtain firm point-to-point
transmission service under the MISO Open Access Transmission Tariff (“MISO OATT”) to deliver the
PSEC output (or a portion thereof) to the PIM® border with MISO for those Participants that are located
within PJM, unless a lower cost and equally reliable method of delivery can be employed by AMP. AMP
has confirmed a request for 184 MW of firm point-to-point transmission service to the PJM/MISO border
under the MISO OATT. The service is available without the need for additional transmission upgrades.

In the Locational Marginal Pricing (“LMP”’) markets in PJM and MISO, the “basis differential” risks will
be borne by AMP and the Participants as follows:

AMP bears the risk of the energy market basis differentials caused by congestion and marginal
losses from the PSEC Bus to the delivery point at the PIM/MISO border for the 184 MW being
delivered to PJIM. Costs associated with this risk will be included in Project power costs to be
paid by all Participants.

PJM Participants bear the risk of the difference in LMPs from the PIM/MISO border to their
delivery points. MISO Participants bear the risk of the difference in LMPs from the PSEC Bus to
their delivery points. If available, Financial Transmission Rights (“FTRs”) and Auction Revenue
Rights (“ARRs”), MISO market hedging products, may be used to help manage this risk.
Historical price differentials between the Project and the Participants’ delivery points have ranged
from $6/MWh to $13/MWh in Ohio and Michigan and greater than $10/MWh in Virginia from
July 2008 through June 2009.

Participants in PJM bear the risk of price differentials in the PJM capacity market prices between
Locational Deliverability Areas (“LDAs”) established within PJM. As somewhat analogous to
the energy market basis differentials, the capacity market may settle at different prices between
the LDAs (i.e., the Participants may have to pay a different, higher price to serve their loads than
the revenue they would receive from the capacity of the Project delivered to the PIM/MISO
border). This is a risk for any Load Serving Entity (“LSE”) meeting its capacity needs from
resources outside of its LDA.

AMP will bear the cost of pancaked charges in the form of RTO administration fees and ancillary
services charges for the point-to-point service to the PIM/MISO border (based on the existing

> The Midwest Independent Transmission System Operator, Inc. (MISO) is a non-profit, member-based organization
that provides open access to transmission markets, long-term transmission planning, and transparent prices and
manages the security-constrained economic dispatch of generation over its 15 state territory. MISO's energy
markets operations include Day-Ahead, Real-Time and Financial Transmission Rights markets.

6

PJM Interconnection (“PJM?”) is a regional transmission organization (“RTO”) that coordinates the movement of

wholesale electricity over 13 states and the District of Columbia. PJM provides open access to transmission
markets, long-term transmission planning and reliability, and operates a wholesale energy market. PJM's energy
markets operations include Day-Ahead, Real-Time and Financial Transmission Rights markets. PJM also operates
capacity markets.
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PJM and MISO rate design). Costs associated with this risk will be included in Project power
costs to be paid by all Participants.

An estimate of the LMP basis differential cost risk that will be borne by AMP and included in Project
power costs has been reflected in the projected operating results included herein.

PROJECTED FINANCING REQUIREMENTS AND OPERATING RESULTS
PROJECTED FINANCING REQUIREMENTS

The projected financing requirements for the Project are based on a plan of finance that AMP has
developed to finance its share of the PSEC. See the section in the Official Statement entitled “PLAN OF
FINANCE.” At the request of AMP, and based on information provided by AMP and its financial
advisors, Merrill Lynch & Co. prepared a projection of the remaining financing requirements for the
Project, including estimates of the deposits to the Construction Fund, deposits to the Capitalized Interest
Account, deposits to a Debt Service Reserve Account, and the costs of issuance and other expenses. The
results of the foregoing, referred to herein as “AMP’s Plan of Finance”, have been used in the preparation
of the Projected Operating Results (as later defined) that are presented herein. Such estimates were
prepared in September 2009 based on then existing market conditions and the results could vary
depending upon market conditions prevailing at the time AMP completes the financing of the cost of
construction of the Project.

As summarized in the following table, the total estimated par amount of Bonds that will be required by
AMP to finance its Ownership Interest in the PSEC, including construction costs, interest during
construction, deposits to a Debt Service Reserve Account, original issue discount and bond issuance
expenses is estimated to be approximately $1,396.8 million. Such amount could increase if the final cost
of construction of AMP’s share of the PSEC is greater than the total construction costs shown in the
following table.
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Total Estimated Financing Requirements [1]

Description $(000)
AMP Share of PSEC Costs $1,024,133
AMP Costs [2] 11,037
Working Capital [3] 5,000
Additional Contingency Allowance [4] 39,383
Total Construction Costs $1,079,553
Less: Estimated Interest Earnings [5] (18,407)
Deposit to Project Construction Funds [6] $1,061,146
Capitalized Interest [7] 209,370
Deposit to Debt Service Reserve Account [8] 94,816
Issuance Expenses and Other [9] 17,878
Total Estimated Bond Proceeds $1,383,210
Original Issue Discount [10] 13,590
Total Estimated Par Amount of Bonds $1,396,800

[1] Amounts shown are estimates based on AMP’s Plan of Finance.

[2] Allowance for AMP costs during the construction period.

[3] Allowance for one month of operating costs.

[4] Additional contingency allowance equal to approximately 6.8% of AMP’s share of the
estimated remaining construction costs ($579 million) of the PSEC.

[5] Estimated interest earnings on unexpended fund balances in the Project Construction Fund
during the construction period.

[6] Based on AMP’s share of PSEC capital costs, including PSEC coal reserve purchases plus
AMP’s estimated allowance for its developmental costs and working capital.

[7] Represents estimated interest costs on short-term financings and on all bonds through six
months past the in-service dates of the PSEC units net of interest earnings on unexpended
balances in the Capitalized Interest Fund and Debt Service Reserve Account.

[8] Based on the Debt Service Reserve Requirement as set forth in the Master Trust Indenture.

[9] Estimated expenses associated with bond underwriter fees, legal fees, bond insurance and
other expenses incurred in connection with the bond financings.

[10] Includes $10.8 million of Original Issue Discount on the Series 2008 A Bonds and $2.7
million of Original Issue Discount on the Series 2009A Bonds.

As discussed in the section in the Official Statement entitled “PLAN OF FINANCE,” AMP will finance the
estimated remaining costs of its Ownership Interest in the PSEC through the issuance of the Series 2009
Bonds. AMP’s Plan of Finance assumes that interest during construction will be capitalized as needed
from the proceeds of each of these financings until 6 months beyond the expected completion dates of
Units 1 and 2 of the PSEC, which are August 2011 and May 2012, respectively.

The proceeds of the Series 2009 Bonds, in the principal amount of $469,580,000 will be used to (i)
finance capital expenditures, costs and expenses associated with the AMP’s share of the PSEC; (ii) repay
draws on the Line of Credit (as hereinafter defined) used to finance Project costs which are not eligible
for tax-exempt financing; (iii) fund capitalized interest on the Series 2009 Bonds for six months beyond
the expected completion dates of Units 1 and 2 of the PSEC, which are August 2011 and May 2012,
respectively; (iv) fund a deposit to the Debt Service Reserve Account; and (v) pay the cost of issuance of
the Series 2009 Bonds.
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AMP entered into a Credit Agreement dated as of September 24, 2007, with a syndicate of commercial
banks led by J.P. Morgan Chase Bank, National Association, with a total available line of $550 million
(as amended, the “Line of Credit”). AMP may borrow directly on the Line of Credit or request the
issuance of letters of credit against the Line of Credit in support of its interim financing arrangements. See
the section in the Official Statement entitled “PLAN OF FINANCE — CREDIT AGREEMENT”.

A portion of the capital requirements for the Project would require the issuance of taxable bonds in an
estimated principal amount of $83.7 million. Such taxable issue will repay AMP’s borrowings from its
Line of Credit which will be used to pay for AMP’s proportionate share of primarily (i) the transmission
upgrades necessary to improve the regional transmission system, (ii) certain of the PSEC Owners’
insurance pool costs, (iii) the costs of upgrades to the local electric distribution, potable water and natural
gas pipeline systems, and (iv) the PSEC’s initial working capital.

PROJECTED OPERATING RESULTS

R. W. Beck has prepared projections of the net power costs that will be the basis of the charges to the
Participants for the Project (“Projected Operating Results™) for the period 2011 through 2025. These
Projected Operating Results are consistent with our understanding of the terms and conditions of the
Power Sales Contract and the Indenture. The Projected Operating Results set forth the costs that
comprise the Postage Stamp Rate (“PSR”) as defined in the Power Sales Contract. The PSR is a uniform
rate that will apply to all of the Participants. The Projected Operating Results also include a projection of
the activities in the funds that are defined in the Indenture and Power Sales Contract. The Projected
Operating Results are set forth in the attached Table 1 and are based on the considerations and
assumptions set forth in the section of the Report entitled “Principal Considerations and Assumptions.”

Lines 1 through 6 of Table 1 present the projected revenues from the Project. Participant revenues are
shown on Line 1, and represent the annual cost of the Project to the Participants, net of other revenues
available to reduce the Participant payments. The Participant revenues were developed by subtracting the
other revenues (shown on lines 2 through 5 of Table 1) from the Total Revenue Requirements (shown on
line 29 of Table 1). Interest earnings are shown on line 2 and were computed based on the projected
annual unexpended amounts in (i) the General Subfund, Reserve and Contingency Subfund, and Debt
Service Account based on an interest earnings rate of 1 percent, and (ii) a Debt Service Reserve Account
based on an interest earnings rate of 4.2 percent. Short-term market sales are set forth on line 3, which
represent the projections of sales of energy from the Project that are in excess of the energy required by
the Participants under the Power Sales Contract, are shown on line 3 of Table 1. Transfers from the
Reserve and Contingency Subfund are shown on line 4 and represent estimated amounts available in the
Renewal and Replacement Account remaining from the prior year after expenditures for renewal and
replacement expenditures for the Project. The projected Federal Subsidy payments from the United
States Treasury equal to 35 percent of the interest payable on the Series 2009C Taxable Bonds (BABs)
are shown on line 5 — Other Revenues.

Lines 7 through 20 present the projected operating costs of the Project. Lines 7 through 12 contain the
fixed operating costs including fixed O&M, insurance, property taxes and AMP administrative and
general costs. Lines 13 through 18 contain the variable operating costs including coal mining costs,
environmental costs and variable O&M.
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To provide for on-going working capital, line 22 reflects assumed deposits from Revenues to a Working
Capital Reserve Account equal to 5 percent of total monthly operating costs.

Replacement power costs are shown on line 19 of Table 1. Replacement power represents the cost of
power that must be purchased from the market to replace capacity and energy from the Project when one
or both units of the PSEC are either undergoing scheduled maintenance or are forced to shut down. For
purposes of these projections, the amount of replacement power purchased was assumed to be sufficient
to provide for an 85 percent capacity factor within each month. Replacement power costs include the cost
of purchased capacity and energy, as well as additional transmission costs associated with the delivery of
the purchased power.

Lines 23 through 25 of Table 1 present the projected debt service associated with the bonds issued for the
Project based on the debt service schedules reflected in AMP’s Plan of Finance and a total principal
amount of bonds issued of approximately $1,396.8 million. Such amount could increase if the final cost
of construction of AMP’s share of the PSEC is greater than the total projected cost of approximately
$1,080 million.

The Master Trust Indenture provides for six separate accounts in the Reserve and Contingency Subfund:
(1) the Overhaul Account, (2) the Renewal and Replacement Account, (3) the Capital Improvements
Account, (4) the Rate Stabilization Account, (5) the Environmental Improvement Account, and (6) the
Self-Insurance Account. For purposes of the Projected Operating Results set forth herein, activity was
projected only in the Renewal and Replacement Account. The projected costs of future major
maintenance and capital improvement to the PSEC are assumed to be paid for by funds in the Renewal
and Replacement Account. The Renewal and Replacement Account is assumed to be funded from
deposits from Revenues, shown on line 26 of Table 1, and are equal to (i) 10 percent of annual debt
service payments or (ii) the estimated expenditures from the account for that year, which ever is greater.
The estimated amounts available in the Renewal and Replacement Account remaining at the end of each
year are assumed to be used to reduce Participant payments in the next year.

Total revenue requirements shown on line 29 of Table 1 were computed by summing total operating
expenses, the annual deposit to the Working Capital Reserve Account, the total debt service requirement,
and the total annual deposit to the Reserve and Contingency Subfund.

SENSITIVITY ANALYSIS

The Projecting Operating Results presented on Table 1 (the “Base Case”) do not include any assumed
cost impacts that would result from future CO, regulation. However, in order to demonstrate the potential
impact of CO, costs on the Base Case, a sensitivity case was developed. It should be noted that other
sensitivity cases could have been considered, including sensitivity analyses for other assumptions and
considerations that pertain to the Base Case, and that the sensitivity case included herein is not intended to
reflect the full range of possible changes.

A brief discussion of the principal assumptions utilized in the sensitivity analysis is presented below.

1. In preparing the sensitivity case, estimated CO, costs have been based on an analysis of the
Waxman-Markey Bill. The Waxman-Markey Bill includes provisions for (i) renewable energy
resource standards and energy efficiency standards and (ii) the regulation of CO, and other
greenhouse gas emissions in a cap-and-trade system with declining free allowances to limit
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emissions to 3 percent below the 2005 level beginning 2012, 17 percent below the 2005 level
beginning 2020, and 83 percent below the 2005 level beginning 2050.

2. Based on our analysis of the Waxman-Markey Bill, CO, allowance costs are estimated to be
$11/ton beginning in 2012 and increasing to $37/ton by 2025.

3. The Waxman-Markey Bill includes a provision to allocate CO, emission allowances to electric
local distribution companies (“LDCs”) under two provisions: 1) small electric LDCs, which are
companies that deliver less than 4 million MWh of electricity to their retail customers in the year
preceding the start year that allocations are scheduled to begin, receive a small portion of the
allowance cap, and 2) both small and large LDCs receive a larger portion, starting at 43.75
percent and declining to 7 percent by 2029, of the allowance cap before adjusting for distributions
to the strategic reserve, merchant coal generators, and long-term contracts. New coal plants that
begin operation on or after January 1, 2009 and before January 1, 2013 can be included in the
calculation of allowance allocations.

4. Based on the above, the estimated allocations of free allowances available to the AMP Project
Participants allocable to the Project (as a percent of the estimated CO, emissions of the Project)
that could be used to offset the cost of CO, emissions associated with the Project are projected to
decline over time from approximately 70 percent in 2012 to 45 percent in 2025.

5. In addition, we have not assumed any response by the PSEC Owners to reduce CO, emissions
from the PSEC by installing carbon capture equipment.

The results for the sensitivity cases indicate that the projected annual costs to the Participants of the
Project over the study period 2011 through 2025 on average are estimated to be (i) higher by
approximately $11/MWh under the sensitivity case compared to the Base Case results shown in $/MWh
on line 43 of Table 1, and (ii) lower than the projected market prices in the region where the PSEC is
located.

There is considerable uncertainty with respect to the future regulation of CO, emissions and the emission
allowance values and future costs that may result from such regulations. While we have used the CO,
cost assumptions described above for the sensitivity case, R. W. Beck offers no assurances as to the
reasonableness of these CO, cost estimates or the likelihood that the regulation of CO, emissions, if
ultimately implemented, will resemble the regulation assumed under the Waxman-Markey Bill.

ANALYSIS OF PROJECT RISK

AMP will continue to address and monitor the potential internal, market and external risks associated with
the PSEC. While some of the risks associated with the PSEC have been, or will be, addressed by AMP
and PSGC, many risk elements will remain through the life of the PSEC. In order to manage the risks
associated with the PSEC, AMP and PSGC plan to put in place proper risk management procedures and
programs that will monitor and manage the risks of the PSEC and continually monitor and update such
procedures and programs.

The highest risk associated with the PSEC appears to be the potential for future legislation aimed at
reducing CO, and other emissions. PSGC has been monitoring and analyzing the potential impacts of
CO; legislation on the PSEC and believes that the PSEC layout is such that adequate space for the retrofit
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of potential CO, capture technologies exists, and that the PSEC site is located in a region with potential
opportunities for geologic sequestration. It will be important for AMP and the other PSEC Owners to
continue to monitor the status of future legislation and control options, and to make technical and
economic decisions at the appropriate times as to the best methods of compliance with such potential
legislation.

AMP has conducted a range of sensitivity analyses to estimate the potential impact that future CO,
legislation could have on the Project. However, due to the considerable uncertainty with respect to the
future regulation of CO, emissions and the emission allowance values that may result, AMP is unable to
determine the ultimate impacts of such potential legislation on the Project, the Participants, or the electric
industry, but such impacts could be significant.

PARTICIPANT ANALYSIS
POWER SUPPLY RESOURCES AND PLANS

The Members of AMP receive their power supply from a mix of resources that include:

= wholesale power purchases through AMP and on the open market from investor-owned utilities
and marketers;

= energy produced at AMP’s 213 MW, coal-fired Richard H. Gorsuch Generating Station near
Marietta, Ohio;

= individual Member-owned generation facilities; and

= municipal generation joint ventures such as the 42 MW Belleville Hydroelectric Project at the
Belleville Locks and Dam on the Ohio River; the 7.2 MW AMP/Green Mountain Energy Wind
Farm located near Bowling Green, Ohio and approximately 334 MW of distributed peaking
generation (either owned by AMP or a municipal joint venture), using natural gas and diesel
fuels, and strategically sited throughout Ohio.

In late 2006, AMP contracted with R. W. Beck to develop long-term power supply plans for 119 of its
Members, including 67 of the 68 Participants’. R. W. Beck prepared a report for each of these Members
that included a 20-year load forecast, a 20-year optimal power supply plan and the key inputs and
assumptions used to develop the plan. These reports were delivered to AMP and its Members in February
2007 (the “February 2007 Member Power Supply Analysis”).

In developing the plan for each Member, a generation expansion plan was developed assuming that the
Member could participate in “slices” of future AMP generating resources equal to 15 percent of the
Member’s projected 2027 peak demand (plus an allowance for 12 percent reserves). The generating
resource options included in the study were future generic base load coal, natural gas-fired combined
cycle and peaking resources, the proposed AMPGS Project, the PSEC, the future AMP hydroelectric
plants along the Ohio River (the “Hydro Projects”), and proposed future wind plants. The purchase
power options included a 5-year peak load 5x16° contract, a 10-year base load 7x24° contract, as well as

7 Front Royal, Virginia, a Participant, was not a Member of AMP at the time the 2007 power study was prepared.
8 . .

Power is delivered five days per week for 16 hours per day.
? power is delivered seven days per week for 24 hours per day.
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spot market purchases. The generation expansion plan was developed by considering shares (in terms of
slices) of each of these options. The optimal power supply plan was developed by selecting the optimal
power supply strategy (amount and timing of resource additions) that minimized the total net present
value of power supply costs and risks over the 20-year period 2008-2027. The American Municipal
Power Generating Station'® (“AMPGS”) project (the “AMPGS Project”) was included as an option for
those Members that are participating in the development phase of the AMPGS Project. The PSEC and
Hydro Projects were included as an option for all Members. The initial power supply plan developed for
each Member was intended to give that Member an indication of the optimal amount, timing, and type of
power supply resources needed over the 20-year study period.

Additionally, R. W. Beck was engaged by AMP to prepare an Initial Project Feasibility Study for the
PSEC. This study was completed in August 2007 and provided to all Members that had indicated an
interest in potential participation in the PSEC.

The Members subsequently made their determination whether to participate in the Project, as well as the
desired level of participation, based on the studies and analyses regarding the Member’s generation
expansion plan and the Initial Project Feasibility Study, as well as certain other factors and information
that individual Members may have considered. As previously discussed, 68 of the Members elected to
become Participants and have entered into the Power Sales Contract with AMP for the Project.

In June 2009 R. W. Beck was engaged by AMP to prepare a 20-year power supply plan (“June 2009
Power Supply Plan”) for 126 AMP Members. The June 2009 Power Supply Plan for each Member was
developed based on the same method as the original power supply plans prepared in 2007. The June 2009
Power Supply Plan for each Member consisted of a “Base Case”, which included the existing generating
resources that each Member owns, existing generating resources that AMP owns and operates on behalf
of the Members, and the future generating resources that each Member has under contract with AMP.
The future resources include AMPGS, PSEC, and the Cannelton (88 MW), Smithland (76 MW), and
Willow Island (44 MW) hydroelectric generating facilities. The “Optimal Resource Plan” indicated the
generating resource additions each Member should consider making during the 2012-2031 period to
minimize expected power supply costs. In addition to the Optimal Resource Plan, the June 2009 Power
Supply Plan for each Member included an alternative scenario plan that considered the impacts of
implementing the AMP Energy Efficiency programs on each Member’s resource decisions. The plans
also took into consideration the Renewable Portfolio Standards (RPS) that had been adopted at the state
level.

The results of the June 2009 Power Supply Plan indicated that there is a need for additional intermediate
and peaking type generating resources. The Optimal Resource Plan (with the AMP Energy Efficiency
programs) reflected an aggregate of 285 MW of additional hydro capacity (consisting of the 70 MW
Greenup Project, 105 MW Meldahl Project, and 110 MW of other future hydro capacity), 697 MW of
combustion turbine capacity and 1,007 MW of combined cycle capacity to be installed by 2020.

10" AMPGS is a 960 MW coal-fired generating station consisting of two 480 MW units to be located in Meigs
County, Ohio which is being developed by AMP.
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BENEFICIAL USE ANALYSIS

In accordance with the Power Sales Contract, we prepared an analysis to determine if each Participant
could beneficially utilize its PSCR Share of the Project. This analysis was based on each Participant’s
expected PSCR Share at the time the Initial Feasibility Study was prepared in August 2007 when AMP’s
expected ownership interest in the PSEC was 18.96 percent or approximately 300 MW. The PSCR
Shares were subsequently modified and differ from those assumed at the time that the beneficial use
analysis was prepared.

In August 2007, we prepared three types of analyses to determine if each Participant could beneficially
utilize its share of the Project. The three analyses included:

= acomparison of its PSCR Share as a percent of peak demand for selected years,

= an analysis of potential surplus energy including identifying surplus energy sales from PSEC
and incremental surplus energy sales from existing Participant resources as a result of adding
its PSCR Share, and

= an analysis of each Participant’s projected power costs and risks, with and without its PSCR
Share.

We have updated the first type of analysis (a comparison of PSCR Share as a percent of peak demand for
selected years) for each of the 68 Participants.

Power plants, such as PSEC, that are designed to generate energy at its maximum capability when
available are considered “base-load” plants because these plants are expected to be available to meet base
(or minimum) load requirements. Therefore, in developing a power supply plan a utility will generally
plan for enough capacity from base load plants or contracts at least equal to its projected minimum load.
Most utilities plan for around 50-55 percent of their projected peak demand to be supplied from base-load
type generation. If a utility has more base-load generation than its hourly load requirements, it must
reduce the output of the base load plant or sell the surplus energy in a given hour. Because all the
Participants are in regions where surplus energy can readily be sold, this planning criterion is not as
important.

AMP’s Project capacity is approximately 16.1 percent of the Participants’ aggregate peak demand in
2015. In aggregate, the Participants can beneficially use the Project capacity to meet their base load
requirements. The attached Table 2 compares the Participants’ 2008, 2015 and 2025 peak demands with
their respective shares in the Project. As shown in Table 2, there is no Participant with a PSCR Share
greater than 50 percent of its projected peak demand in the years 2008, 2015, and 2025. Based on this
criterion, each of the Participants can beneficially use the PSEC capacity to meet its base load
requirements.

This analysis summarized in Table 2 does not take into account the other base-load resources that are
currently available or may be available by 2015 to the Participants. Several of the Participants are also
participating or may participate in AMP’s AMPGS Project and Hydro Projects.
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PRINCIPAL CONSIDERATIONS AND ASSUMPTIONS

In the preparation of this Report and the conclusions that follow, we have made certain assumptions with
respect to conditions that may occur in the future. While we believe these assumptions are reasonable for
the purpose of this Report, they are dependent upon future events and actual conditions may differ from
those assumed herein. In addition, we have used and relied upon certain information and assumptions
provided to us by others, but have not independently verified the information and offer no assurances with
respect thereto. We believe the use of such information and assumptions is reasonable for the purposes of
this Report. However, some assumptions will invariably not materialize due to unanticipated events and
circumstances. Therefore, the actual results can be expected to vary from those forecasted to the extent
that actual future conditions differ from those assumed by us or from information or assumptions
provided to us by others.

The principal considerations and assumptions made by us and the principal information and assumptions
provided to us by others include the following:

1. The projections of demand and energy requirements for the period 2009 through 2025 for the 68
Prairie State Participants were based on load forecasts prepared by AMP in March 2009. In
aggregate, the Participants’ demand and energy requirements are projected to increase at compound
average annual growth rates of 1.5 percent and 1.4 percent, respectively, over the period 2008 through
2025. The methodology, data sources, and major assumptions relied on to develop the load forecasts
are provided below.

a) The load forecast for each Participant is based primarily on a multiple regression model
that relates energy and demand requirements to some combination of population, per
capital income, gross regional product, and weather conditions in the vicinity of the
Participant.

b) Adjustments to results for certain Participants were made based on AMP’s knowledge of
local factors affecting such Participants’ future peak demand and energy requirements.

¢) Projected economic data were provided by a forecasting service.
d) Normal weather conditions are assumed to prevail over the forecast period.

e) The future influence on energy requirements of the economic, demographic, and weather
variables, on which the regression models are based, is assumed to be similar to the
influence of such factors estimated over the recent historical period.

f) The recent historical averages of relationships between energy requirements and peak
demand are assumed to represent reasonable approximations of the future values of such
load relationships.

g) The forecast results do not reflect any additional demand-side management or
conservation programs that may be undertaken in the future by the Participants or by
AMP on behalf of the Participants.

h) It was assumed that any changes in the current regulatory or competitive environment
would not materially affect the forecast of demand and energy requirements for the
Participants through 2025.
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2. General inflation was based on the consensus projections prepared by Blue Chip Economic Indicators
in March 2009. The Blue Chip forecast reflects the impacts of the current economic recession, and
projects a deflation rate of -0.8 percent for 2009 and a projected long-term average rate of inflation of
2.4 percent annually thereafter.

3. Operating characteristics and costs of the PSEC were assumed to be as follows:

a) The Generating Facility will consist of two, coal-fired generating units with a nominal
rating of 791 MW for each unit, totaling 1,582 MW for the plant. This rating reflects its
contractual capacity. The approximate net summer rating of the PSEC is projected to be
1,584 MW, which includes an allowance for degradation.

b) The in-service date for Unit 1 of the Generating Facility will occur in August 2011, and
the in-service date for Unit 2 of the Generating Facility will occur in May 2012.

¢) The net plant heat rate will be 9,390 Btu/kWh, based on estimates provided by PSGC and
including an allowance for degradation over time.

d) A four percent forced outage rate and one month scheduled maintenance period was
assumed for each unit of the Generating Facility each year, resulting in an overall average
annual availability factor for the PSEC of 88 percent. The PSEC will be fully dispatched
into the MISO marketplace each year at an average annual capacity factor of
approximately 85 percent.

e) The projected output of the PSEC was based on a computer simulation of the generating
units as they would operate in MISO. It was assumed that PSGC will fully dispatch and
utilize the PSEC in the MISO market and would purchase energy from the market to
provide replacement power when the PSEC is not available. The average annual capacity
factor resulting from such simulations was approximately 85 percent. The estimated
annual energy output based on a capacity rating of 1,584 MW is projected to average
approximately 11,794 GWh per year. AMP’s 23.26 percent entitlement of the estimated
annual energy is 2,743 GWh per year.

f) The projections of coal mining costs were based on information provided by PSGC, were
based on the original Mine plan updates developed in February 2008, and assume $14.21
per ton in 2009 escalated by inflation thereafter.

g) Non-fuel operation and maintenance costs for the PSEC were estimated by PSGC.

4. Construction characteristics of the PSEC were assumed to be as follows:

a) The PSEC will be designed and constructed in accordance with the terms and conditions
and technical specifications of the TPEPC Contract.

b) All licenses, consents and approvals, consent modifications that have not or cannot be
obtained until the PSEC is complete and in full operation, and other less significant
licenses, consents, and approvals that must be secured during the PSEC construction and
after the date of this Report, will be obtained in a timely manner.

¢) PSGC will employ experienced and properly trained operations and maintenance staff in
adequate number for the Generating Facility and Mine and will align the management
and daily operations of the PSEC with the economic objectives of the PSEC Owners.

G-34 R. W. Beck, Inc.



Consulting Engineer’s Report
October 1, 2009

d) The PSEC will be capable of operation as a reliable and economical source of power and
energy provided that (i) no technical, legal or regulatory changes have a substantially
adverse impact on its operation, (ii) the Generating Facility is at all times maintained,
preserved, reconstructed and kept in good repair, working order and condition, and (iii)
all necessary repairs, replacements and renewals are made in a timely manner.

e) The Mine will be developed and operated, as projected by PSGC, according to the Mine
plan approved by the PSEC Owners in July 2007 as updated and approved by the PSEC
Owners in April 2008.

f) No material changes will be made to the key Project Agreements or the TPEPC Contract
from their current terms and conditions.

5. The total projected construction cost for AMP’s 23.26 percent ownership share of the PSEC was
estimated to be approximately $1,024.1 million, based on budgets and information provided by PSGC
in September 2009, an allowance provided by AMP of $16.0 million for AMP developmental costs
and working capital and an additional contingency allowance of $39.4 million based on 6.8% of
AMP’s share of the projected remaining construction costs of the PSEC.

6. All costs associated with the Project prior to the in-service dates of the two generating units would be
funded through a combination of short-term borrowing instruments and bonds issued by AMP
beginning in 2008 and that AMP would capitalize interest such debt obligations bonds to six months
beyond the in-service dates of Units 1 and 2, respectively. The projected financing requirements for
the Project reflect AMP’s Plan of Finance. In June 2008, AMP issued the Series 2008A Bonds in the
principal amount of $760,655,000. In March 2009 AMP issued the Series 2009A Bonds in the
principal amount of $166,565,000. The proceeds of the Series 2009 Bonds will be used to (i) finance
capital expenditures, costs and expenses associated with the AMP’s share of the PSEC; (ii) repay
draws on the Line of Credit (as hereinafter defined) used to finance Project costs which are not
eligible for tax-exempt financing; (iii) fund capitalized interest on the Series 2009 Bonds for six
months beyond the expected completion dates of Units 1 and 2 of the PSEC, which are August 2011
and May 2012, respectively; (iv) fund a deposit to the Debt Service Reserve Account; and (v) pay the
cost of issuance of the Series 2009 Bonds. The proceeds of the Series 2009B Taxable Bonds will be
used to fund the portion of the capital requirements for the Project that requires the issuance of
taxable bonds. Such taxable issue will be used to pay for AMP’s proportionate share of among other
things (i) the transmission upgrades necessary to improve the regional transmission system, (ii)
certain of the PSEC Owners’ insurance pool costs, (iii) the costs of upgrades to the local electric
distribution, potable water and natural gas pipeline systems, and (iv) the PSEC’s initial working
capital. The proceeds of the Series 2009B Taxable Bonds will also pay capitalized interest on the
Series 2009B Taxable Bonds and the portion of the capitalized interest on the Series 2009C Taxable
Bonds (BABs) allocable to the six month periods following the expected completion dates of Units 1
and 2 of the PSEC.

7. The projections of various elements of the Projected Operating Results set forth herein were based on
the following interest earnings and interest expense rate assumptions and are consistent with AMP’s
Plan of Finance:
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10.

11

12.

13.

14.

a) Interest earnings rates on monies in the Revenue Subfund, General Subfund, the Reserve
and Contingency Subfund, Debt Service Account, Capitalized Interest Account and
Construction Account at annual interest rates ranging from 0.0 percent to 3.6 percent.

b) Interest earnings rates on monies in the Debt Service Reserve Accounts at average rates
ranging from 2.3 percent to 4.7 percent.

c) Actual interest rates on the Series 2008 A Bonds, Series 2009A Bonds, Series 2009B
Taxable Bonds, and Series 2009C Taxable Bonds (BABs).

The principal installments and debt service schedules for each series of projected bonds included in
AMP’s Plan of Finance were based upon the assumptions that:

a) A total of approximately $1,396.8 million of permanent debt would be required and
issued over the period 2008 through 2009 to fund the total estimated cost of construction
of the Project including the amounts required to fund interest during construction,
reserves and issuance expenses.

b) Principal installments would begin in 2013 and debt service payments (principal and
interest) would be based on level debt service over the 30-year period 2013 through 2042.

Emission rates for the PSEC were based on information provided by PSGC and permit levels.

Environmental assumptions for the PSEC regarding emission allowance costs were developed based
upon information and third party studies currently available. Projections of allowance costs for SO,
and NOyx are based on EPA estimates and R. W. Beck’s proprietary model that projects the marginal
cost of pollutant reductions to comply with the current environmental regulations. The actual price of
allowances in the future will be market dependent and could be lower or higher than the cost
estimates assumed herein.

. The Projecting Operating Results presented on Table 1 do not include any assumed cost impacts that

would result from future CO, regulation. Under the Sensitivity Case, CO, emissions costs were
generally based on an analysis of the Waxman-Markey Bill. While we have used these CO, values for
this sensitivity case, R. W. Beck and AMP are not endorsing these values since there is considerable
uncertainty with respect to the future regulation of CO, emissions and the emission allowance values
that may result from such regulation.

PSGC will take necessary actions to interconnect the PSEC with MISO and AMP will take necessary
actions to obtain firm point-to-point transmission service under the MISO OATT to deliver a portion
of the output of the PSEC to the PJM/MISO border for those Participants that are located within PJM.

AMP will not receive any transmission credits from MISO pertaining to the repayment to AMP of
certain transmission upgrade costs.

Transmission costs in the Postage Stamp Rate include the projected cost of MISO congestion costs
and marginal losses costs incurred to deliver PSEC power to the delivery point (PJM/MISO border)
and were estimated at $3.50/MWh.
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15. The Participants, or AMP on their behalf, will take the necessary actions to modify their transmission
service to designate the PSEC as a new Network Resource either in PJM or in MISO, depending on
their location.

16. PSGC will successfully secure all contracts, permits, agreements, or other arrangements necessary to
develop, construct, and operate the PSEC.

17. The Participant PSCR Shares of the Project as set forth in Appendix A of the Official Statement will
remain unchanged.

18. PSGC will secure additional CCW disposal site(s) in the future that would be capable of disposing of
all CCW generated by the Generating Facility for the 30-year operating period not provided for by
disposal at the Jordan Grove Mine site at the annual disposal costs assumed.

19. PSGC will receive the necessary approvals to operate the Mine under the original Mine Plan as
submitted to the MSHA in 2007.

20. AMP will receive Federal Subsidy payments from the United States Treasury on or about each
interest payment date equal to 35 percent of the interest payable on the Series 2009C Taxable Bonds
(BABs).

The power cost projections herein have been prepared based on the assumption that all contracts,
agreements, statutes, rules and regulations (hereinafter described as “contractual and legal requirements’)
that have been relied upon by R. W. Beck in preparing these projections will be fully enforceable in
accordance with their terms and conditions. We make no representations or warranties, and provide no
opinion, concerning the enforceability or legal interpretation of such contractual and legal requirements.

The power costs set forth in this Report have been projected assuming no significant changes in the
electric utility industry through the year 2025. Due to uncertainties caused by variable factors, including
factors that influence the cost of all energy sources, we can give no assurance as to the reasonableness of
the rates of escalation with respect to fuel costs and operating costs. Additionally, changes in costs,
technology, legislation and regulation could affect the considerations and assumptions. In particular,
future fuel cost and environmental factors could affect the assumptions set forth herein. In summary, any
changes in costs, technology, legislation and regulation could affect the considerations and assumptions,
which could impact the results of the projected power costs. For discussions of regulation, competition
and other factors affecting the electric utility industry, see the section in this Report entitled “Factors
Affecting the Electric Industry” and see the section in the Official Statement entitled “CERTAIN FACTORS
AFFECTING AMP, THE PARTICIPANTS AND THE ELECTRIC INDUSTRY”.
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CONCLUSIONS

Based upon the foregoing principal considerations and assumptions and upon the studies and analyses as
summarized or discussed in this Report, which Report should be read in its entirety in conjunction with
the following, we are of the opinion that:

1.

PSGC has identified and obtained the key permits and approvals required from various federal, state,
and local agencies necessary to construct and operate the PSEC. Certain other permits and approvals
that will be required have not yet been obtained or have expired or will expire and will require
renewal. We did not identify any technical or engineering circumstance that would prevent the
issuance or renewal of such other permits and approvals. In addition, the Generating Facility should
be capable of ultimately complying with the emissions limits and other conditions set forth in the key
permits and approvals that we reviewed.

The costs assumed herein at this stage of its development are reasonable for the PSEC’s construction
and operation, provided proper management of the TPEPC Contract and other construction activities
is undertaken by PSGC on behalf of the PSEC Owners and provided that PSGC employs experienced
and properly trained operations and maintenance staff in adequate number for the Generating Facility
and the Mine.

Barring unforeseen circumstances relative to the coal reserves dedicated to the PSEC or future
disruptions to the coal mining operations of the PSEC, sufficient coal will be available from the
dedicated coal reserves of a quality and type that is compatible for use in the Generating Facility to
allow for its full expected operation for a period of 30 years.

The cost of extracting coal from the Mine, as projected by PSGC, is consistent with the final Mine
plan approved by the PSEC Owners in July 2007 and updated and approved by the PSEC Owners in
April 2008, based on independent reviews by Skelly and Loy in August 2007 and April 2008.

The operating characteristics of the PSEC will be similar to those of other base load super-critical
coal-fired generating units equipped with BACT pollution control technology (as determined by the
llinois EPA) which are being proposed or are in operation, and the PSEC is capable of being
developed by PSGC and constructed by Bechtel according to its development and construction
schedules.

Provided the Generating Facility and Mine are designed, constructed and maintained as proposed by
PSGC, and required renewals and replacements are made to each on a timely basis, the PSEC’s
Generating Facility should have a useful operating life of at least 40 years.

Upon completion of the transmission upgrades required to interconnect the PSEC to the MISO
system, the entire expected output of the PSEC can be delivered into the MISO marketplace.

The portion of the output of the PSEC applicable to the PJM Participants can be delivered to the
MISO/PJM border upon completion of any additional required transmission system upgrades beyond
those required for deliverability of PSEC into the MISO marketplace. If additional transmission
system upgrades are required for firm point-to-point transmission service to the MISO/PJM border,
the projected Postage Stamp Rate may increase.

Relative to the projected market prices in the region where the PSEC will be located, the Project
represents a reasonable cost long-term base-load power supply option for the Participants.
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10. The amounts of capacity and energy from the Project, after giving effect to the sale of a portion of the
Project output in the short-term energy market, can be beneficially utilized by the Participants in
serving their respective long-range base-load power and energy requirements.

We have reviewed the Official Statement to which this Report is appended and, in our opinion, the
information presented therein which is taken from our Report or which otherwise is attributed to us is
accurately presented.

Respectfully submitted,

/s/ R.W. Beck, Inc.
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Projected Operating Results - Base Case - No CO, Emission Costs
Description 2011 2012 2013 2014 2015 2016 2017 2018
REVENUES:
1 Participant Revenues [1] $000 $9,708 $69,000 $147,419 $150,752 $151,713 $153,304 $154,783 $156,156
2 Interest Earnings [2] $000 3,306 3,351 3,561 3,633 3,642 3,645 3,649 3,653
3 Short-term (Market) Sales [3] $000 183 1,906 2,380 2,456 2,526 2,568 2,633 2,705
4 Transfers from R&C Fund [4] $000 0 570 1,544 7,404 8,075 8,042 8,009 7,974
5 Other Revenues [5] $000 8,342 8,342 8,342 8,342 8,342 8,342 8,342 8,342
6 Total Revenues [6] $000 $21,539 $83,169 $163,246 $172,587 $174,298 $175,902 $177,417 $178,830
OPERATING EXPENSES [7]:
Fixed Operating Costs:
7  Fixed O&M $000 $2,505 $10,259 $12,606 $12,908 $13,218 $13,535 $13,860 $14,193
8 Insurance & Property Taxes [8] $000 611 2,444 2,932 2,932 2,932 2,932 2,932 2,932
9  Transmission Costs [9] $000 2,056 8,221 9,864 9,866 9,866 9,859 9,858 9,860
10 AMP A&G Costs [8] $000 215 220 225 230 236 242 247 253
11 Bank and Trustee Fees [8] $000 119 122 125 128 131 134 137 141
12 Fixed Operating Costs $000 $5,505 $21,265 $25,752 $26,065 $26,383 $26,703 $27,036 $27,379
Variable Operating Costs:
13  Coal Mining Costs $000 $4,670 $19,123 $23,496 $24,064 $24,641 $25,216 $25,819 $26,443
14 SO, Emissions Costs $000 233 1,179 1,731 1,964 2,201 2,358 2,508 2,606
15 NO, Emissions Costs $000 59 235 282 280 282 285 290 297
16  CO, Emissions Costs $000 0 0 0 0 0 0 0 0
17  Variable O&M $000 1,845 7,811 9,936 10,176 10,420 10,663 10,918 11,182
18 Variable Operating Costs $000 $6,806 $28,348 $35,445 $36,485 $37,545 $38,522 $39,536 $40,529
19 Replacement Capacity & Energy Purchases [10] $000 0 4,438 5,694 5,945 6,269 6,567 6,734 6,813
20  Total Operating Expenses $000 $12,311 $54,051 $66,891 $68,495 $70,197 $71,792 $73,306 $74,721
21 Net Revenues [11] $000 $9,228 $29,118 $96,356 $104,092 $104,102 $104,110 $104,111 $104,109
22  Deposit to Working Capital Reserve Account [12] $000 $51 $225 $279 $285 $292 $299 $305 $311
DEBT SERVICE: [13]
23 Principal $000 $0 $0 $19,880 $20,665 $21,495 $22,445 $23,525 $24,640
24 Interest [14] $000 8,342 26,266 67,463 73,704 72,877 71,929 70,844 69,722
25  Total Debt Service Requirement $000 $8,342 $26,266 $87,343 $94,369 $94,372 $94,374 $94,369 $94,362
RESERVE AND CONTINGENCY SUBFUND
(Deposits to R&C Accounts):
26 Renewal and Replacement Account [15] $000 834 2,627 8,734 9,437 9,437 9,437 9,437 9,436
27 Total R&C Fund $000 $834 $2,627 $8,734 $9,437 $9,437 $9,437 $9,437 $9,436
Amounts Available from R&C Subfund to Transfer to
28 General Subfund [16] $000 $570 $1,544 $7,404 $8,075 $8,042 $8,009 $7,974 $7,939
29 Total Revenue Requirements [17] $000 $21,539 $83,169 $163,246 $172,587 $174,298 $175,902 $177,417 $178,830
AVERAGE PROJECT COSTS:
30 Net Costs to Participants [18] $000 $9,708 $69,000 $147,419 $150,752 $151,713 $153,304 $154,783 $156,156
31 - Net Fixed Costs $000 $2,902 $40,652 $111,974 $114,267 $114,168 $114,782 $115,247 $115,627
32 - Net Variable Costs (Excludes Coal Mining) $000 $2,137 $9,225 $11,949 $12,421 $12,903 $13,306 $13,717 $14,086
33 - Coal Mining Costs $000 $4,670 $19,123 $23,496 $24,064 $24,641 $25,216 $25,819 $26,443
34 Net Capacity MW 76.8 307.0 368.4 368.4 368.4 368.4 368.4 368.4
35  Gross Energy GWh 587.4 2,348.8 2,818.3 2,818.8 2,818.7 2,816.9 2,816.7 2,817.1
36 Plus: Replacement Energy Purchases [19] GWh 0.0 95.3 1143 114.3 114.3 114.3 114.3 114.3
37  Less: Project Surplus Energy Sales [20] GWh (15.8) (157.9) (189.2) (189.7) (189.7) (187.8) (187.6) (188.0)
38  Net Energy GWh 571.5 2,286.2 2,743.4 2,743.4 2,743.4 2,743.4 2,743.4 2,743.4
39 Capacity Factor % 85.0% 85.0% 85.0% 85.0% 85.0% 85.0% 85.0% 85.0%
40 Net Fixed Costs $/KW-mo 3.15 11.03 25.33 25.84 25.82 25.96 26.07 26.15
41 Net Variable Costs (Excludes Coal Mining) $/MWh 3.74 4.04 4.36 4.53 4.70 4.85 5.00 5.13
42 Coal Mining Costs $/MWh 7.95 8.14 8.34 8.54 8.74 8.95 9.17 9.39
43 Average Costs to Participants [21] $MWh 16.99 30.18 53.74 54.95 55.30 55.88 56.42 56.92
PS POR Model 1009 v1.31 OS (No CO2).xls Table 1
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Projected Operating Results - Base Case - No CO, Emission Costs

Description 2019 2020 2021 2022 2023 2024 2025
REVENUES:
1 Participant Revenues [1] $000 $157,648 $159,013 $160,624 $162,234 $163,836 $165,589 $167,393
2 Interest Earnings [2] $000 3,657 3,662 3,667 3,672 3,677 3,683 3,689
3 Short-term (Market) Sales [3] $000 2,735 2,770 2,900 2,905 3,009 3,059 3,048
4 Transfers from R&C Fund [4] $000 7,939 7,903 7,866 7,828 7,789 7,750 7,709
5  Other Revenues [5] $000 8,342 8,342 8,342 8,342 8,342 8,342 8,342
6 Total Revenues [6] $000 $180,321 $181,690 $183,399 $184,982 $186,654 $188,422 $190,181

OPERATING EXPENSES [7]:
Fixed Operating Costs:

7  Fixed O&M $000 $14,534 $14,882 $15,240 $15,605 $15,980 $16,363 $16,756

8 Insurance & Property Taxes [8] $000 2,932 2,932 2,932 2,932 2,932 2,932 2,932

9  Transmission Costs [9] $000 9,851 9,844 9,857 9,843 9,850 9,844 9,826
10  AMP A&G Costs [8] $000 259 266 272 279 285 292 299
11 Bank and Trustee Fees [8] $000 144 148 151 155 158 162 166
12 Fixed Operating Costs $000 $27,721 $28,072 $28,452 $28,814 $29,205 $29,594 $29,980

Variable Operating Costs:

13 Coal Mining Costs $000 $27,054 $27,682 $28,385 $29,024 $29,741 $30,436 $31,112
14 SO, Emissions Costs $000 2,688 2,766 2,907 2,988 3,088 3,244 3,318
15 NO, Emissions Costs $000 306 313 327 338 346 358 366
16 CO, Emissions Costs $000 0 0 0 0 0 0 0
17  Variable O&M $000 11,441 11,706 12,003 12,273 12,577 12,871 13,157
18 Variable Operating Costs $000 $41,489 $42,467 $43,622 $44,623 $45,752 $46,909 $47,952
19 Replacement Capacity & Energy Purchases [10] $000 6,995 7,030 7,200 7,416 7,560 7,777 8,098
20  Total Operating Expenses $000 $76,205 $77,569 $79,274 $80,853 $82,517 $84,280 $86,030
21 Net Revenues [11] $000 $104,117 $104,120 $104,125 $104,129 $104,137 $104,142 $104,151
22 Deposit to Working Capital Reserve Account [12] $000 $318 $323 $330 $337 $344 $351 $358

DEBT SERVICE: [13]

23 Principal $000 $25,800 $27,080 $28,500 $30,025 $31,615 $33,270 $35,045
24 Interest[14] $000 68,563 67,281 65,859 64,332 62,742 61,085 59,312
25  Total Debt Service Requirement $000 $94,363 $94,361 $94,359 $94,357 $94,357 $94,355 $94,357

RESERVE AND CONTINGENCY SUBFUND

(Deposits to R&C Accounts):
26 Renewal and Replacement Account [15] $000 9,436 9,436 9,436 9,436 9,436 9,436 9,436

27 Total R&C Fund $000 $9,436 $9,436 $9,436 $9,436 $9,436 $9,436 $9,436

Amounts Available from R&C Subfund to Transfer to
28 General Subfund [16] $000 $7,903 $7,866 $7,828 $7,789 $7,750 $7,709 $7,668

29 Total Revenue Requirements [17] $000 $180,321 $181,690 $183,399 $184,982 $186,654 $188,422 $190,181

AVERAGE PROJECT COSTS:

30 Net Costs to Participants [18] $000 $157,648 $159,013 $160,624 $162,234 $163,836 $165,589 $167,393
31 - Net Fixed Costs $000 $116,159 $116,546 $117,002 $117,612 $118,084 $118,680 $119,442
32 - Net Variable Costs (Excludes Coal Mining) $000 $14,435 $14,785 $15,237 $15,599 $16,011 $16,473 $16,840
33 - Coal Mining Costs $000 $27,054 $27,682 $28,385 $29,024 $29,741 $30,436 $31,112
34  Net Capacity MW 368.4 368.4 368.4 368.4 368.4 368.4 368.4
35 Gross Energy GWh 2,814.7 2,812.5 2,816.3 2,812.2 2,814.2 2,812.5 2,807.5
36  Plus: Replacement Energy Purchases [19] GWh 114.3 114.3 114.3 114.3 114.3 114.3 114.3
37  Less: Project Surplus Energy Sales [20] GWh (185.6) (183.4) (187.2) (183.1) (185.1) (183.4) (178.4)
38 Net Energy GWh 2,743.4 2,743.4 2,743.4 2,743.4 2,743.4 2,743.4 2,743.4
39  Capacity Factor % 85.0% 85.0% 85.0% 85.0% 85.0% 85.0% 85.0%
40 Net Fixed Costs $/KW-mo 26.27 26.36 26.46 26.60 26.71 26.84 27.02
41 Net Variable Costs (Excludes Coal Mining) $/MWh 5.26 5.39 5.55 5.69 5.84 6.00 6.14
42 Coal Mining Costs $/MWh 9.61 9.84 10.08 10.32 10.57 10.82 11.08
43 Average Costs to Participants [21] $/MWh 57.46 57.96 58.55 59.14 59.72 60.36 61.02
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Projected Operating Results - Base Case - No CO, Emission Costs

Footnotes:

[1] Participant Revenues are equal to Total Revenues (Line 6) less other revenues (Lines 2 - 5).
[2] Projected interest earnings on unexpended amounts in the General Subfund, R&C Subfund, and Debt Service Subfund, based on interest earnings rate of
1.0%, and projected interest earnings on unexpended amounts in a debt service reserve based on interest earnings rate of 4.2%.

[3] Estimated short-term market sales of energy from the Project which are expected to be in excess to the energy required under the Power Sales Contract
with the Participants.
[4] Estimated amounts available in the R&C Subfund remaining from the prior year after expenditures for renewals and replacements to the Project.
[5] Projected cash subsidy payment from the United States Treasury equal to 35% of the interest payable on the Series 2009C Taxable Bonds (BABS).
[6] Equal to Total Revenue Requirements (Line 29).
[7] Unless otherwise noted, based on information provided by PSGC and AMP.
[8] Estimate based on information provided by AMP.
[9] Transmission costs include the projected cost of MISO congestion costs and marginal losses costs incurred to deliver PSEC power to the delivery point
(PJM/MISO border). Estimated at $3.50/MWh.
[10] Estimated cost of replacement power purchased from the short-term energy market to replace Project power during scheduled and forced outages.
[11] Equal to Total Revenues (Line 6) less Total Operating Expenses (Line 20).
[12] Deposit to Working Capital Reserve Account equal to 5% of the total monthly Operating Expenses.
[13] Estimated debt service on bonds projected to be issued to finance the total cost of construction of the Project as reflected in AMP's Plan of Finance.
Reflects level debt service payments over the 30-year period 2013 - 2042.

[14] Interest expense shown reflects the full interest payable on the Series 2009C Taxable Bonds (BABs) The projected cash subsidy payment from the United
States Treasury equal to 35% of the interest payable on these bonds is shown on Line 5 .

[15] Deposit to Renewal & Replacement Account equal to the greater of 10% of debt service or the estimated renewals and replacements for such year.

[16] Amount available in the R&C Subfund estimated to be remaining at the end of the year after expenditures for renewals and replacments to the Project.

[17] Equal to the sum of Line 20, Line 22, Line 25, and Line 27.

[18] From Line 1.

[19] The quantity of replacement power purchased from the short-term energy market to replace Project power during scheduled and forced outages.

[20] The quantity of short-term market energy sales that are expected to be in excess of the energy required under the Power Sales Contract with the
Participants.

[21] Average Costs to Participants equal Line 1/ Line 38.
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Participant Peak Demand and Project Share Amounts in Megawatts

2008 Peak 2015 Peak 2025 Peak Shares of Prairie State Project
Demand Demand Demand (as % of 2008 (as % of 2015 (as % of 2025
Participant [1] (MW) (MW) (MW) (MW) Peak Demand) Peak Demand) Peak Demand)

1 Amherst 27.602 32.054 40.226 4976 18.0% 15.5% 12.4%

2 Arcadia 1.158 1.373 1.739 0.199 17.2% 14.5% 11.4%

3 Arcanum 4.884 5.757 6.976 1.194 24.4% 20.7% 17.1%

4 Beach City 3.065 3.791 5.047 0.398 13.0% 10.5% 7.9%

5 Bedford, Va [2] 53.264 56.519 63.053 7.862 14.8% 13.9% 12.5%

6 Bloomdale 1.394 1.399 1.546 0.199 14.3% 14.2% 12.9%

7 Bowling Green 95.194 116.072 150.038 35.000 36.8% 30.2% 23.3%

8 Bradner 1.532 1.822 2.178 0.199 13.0% 10.9% 9.1%

9 Bryan 44,513 47.765 50.356 7.500 16.8% 15.7% 14.9%
10 Carey 13.415 16.666 19.533 1.990 14.8% 11.9% 10.2%
11 Celina 44.807 49.996 59.531 14.928 33.3% 29.9% 25.1%
12 Cleveland 296.600 337.511 383.288 24.880 8.4% 74% 6.5%
13 Clyde 36.181 40.844 48.869 2.986 8.3% 7.3% 6.1%
14 Coldwater, Ml [3] 57.870 63.029 76.907 9.952 17.2% 15.8% 12.9%
15 Columbiana 16.545 19.967 26.733 4.379 26.5% 21.9% 16.4%
16 Cuyahoga Falls 103.518 119.014 140.431 9.952 9.6% 8.4% 71%
17 Danville, VA 226.400 244655 274.563 49.760 22.0% 20.3% 18.1%
18 Deshler 6.642 6.633 8.371 0.746 11.2% 11.2% 8.9%
19 Dover 44.543 52.090 62.186 4976 11.2% 9.6% 8.0%
20 Edgerton 6.564 7.529 9.299 0.995 15.2% 13.2% 10.7%
21 Eldorado 1.144 1.197 1.423 0.199 17.4% 16.6% 14.0%
22 Elmore 3.829 4413 5.873 0.498 13.0% 11.3% 8.5%
23 Front Royal, VA [2] 41.650 48.585 62.802 5.971 14.3% 12.3% 9.5%
24 Galion 23.456 25.707 27.464 9.952 42.4% 38.7% 36.2%
25 Genoa 4.033 4871 6.202 0.896 22.2% 18.4% 14.4%
26 Grafton 6.578 8.217 10.365 1.294 19.7% 15.7% 12.5%
27 Greenwich 3.672 3.979 4.241 0.498 13.6% 12.5% 11.7%
28 Hamilton 148.000 164.012 174.643 35.000 23.6% 21.3% 20.0%
29 Holiday City 3.400 4.343 6.318 0.995 29.3% 22.9% 15.7%
30 Hubbard 14.489 16.358 18.657 1.294 8.9% 7.9% 6.9%
31 Hudson 44.408 51.467 64.213 9.952 22.4% 19.3% 15.5%
32 Jackson 34.632 40.429 44,659 8.161 23.6% 20.2% 18.3%
33 Jackson Center 4.342 5.161 5.467 1.393 32.1% 27.0% 25.5%
34 Lakeview 2.569 2.734 2.796 0.796 31.0% 29.1% 28.5%
35 Marshall, MI [3] 23.450 27.305 31.440 1.990 8.5% 7.3% 6.3%
36 Martinsville, VA [2] 40.312 41.823 42.243 5.772 14.3% 13.8% 13.7%
37 Mendon 1.502 1.381 1.526 0.398 26.5% 28.8% 26.1%
38 Milan 2444 2.689 2.850 0.995 40.7% 37.0% 34.9%
39 Minster 21.389 24.846 32.256 6.966 32.6% 28.0% 21.6%
40 Monroeville 9.438 10.901 12.404 0.995 10.5% 9.1% 8.0%
41 Montpelier 14.844 18.185 22.168 2.488 16.8% 13.7% 11.2%
42 Napoleon 31.068 35.777 38.822 4.976 16.0% 13.9% 12.8%
43 New Bremen 12.578 14.505 17.682 5.971 47.5% 41.2% 33.8%
44 New Knoxville 2.566 2.793 3234 0.149 5.8% 5.3% 4.6%
45 New Martinsville, WV 8.468 9.859 10.969 0.995 11.8% 10.1% 9.1%
46 Newton Falls 10.602 11.565 12.562 1.990 18.8% 17.2% 15.8%
47 Niles 66.605 73.045 77.318 2.886 4.3% 4.0% 3.7%
48 Oak Harbor 5.636 7.078 9.424 0.995 17.7% 14.1% 10.6%
49 Ohio City 1.382 1.537 1.656 0.299 21.6% 19.5% 18.1%
50 Orrville 57.446 58.652 60.553 4.976 8.7% 8.5% 8.2%
51 Painesville 46.600 54117 59.407 9.952 21.4% 18.4% 16.8%
52 Pemberville 4.967 5.297 7.201 0.498 10.0% 9.4% 6.9%
53 Pioneer 8.123 9.203 11.896 0.995 12.2% 10.8% 8.4%
54 Piqua 63.000 66.762 68.148 19.904 31.6% 29.8% 29.2%
55 Plymouth 2.694 3.291 4.101 0.498 18.5% 15.1% 12.1%
56 Prospect 2197 2427 2.594 0.100 4.6% 4.1% 3.9%
57 Republic 0.774 0.866 0.908 0.199 25.7% 23.0% 21.9%
58 Richlands, VA [2] 19.833 20.565 21.022 2.588 13.0% 12.6% 12.3%
59 Shelby 22.600 25.913 29.658 3.981 17.6% 15.4% 13.4%
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Participant Peak Demand and Project Share Amounts in Megawatts

2008 Peak 2015 Peak 2025 Peak Shares of Prairie State Project

Demand Demand Demand (as % of 2008 (as % of 2015 (as % of 2025

Participant [1] (MW) (MW) (MW) (MW) Peak Demand) Peak Demand) Peak Demand)
60 Shiloh 1.107 1.325 1.443 0.398 36.0% 30.0% 27.6%
61 St. Marys 37.446 41.066 43.974 3.881 10.4% 9.5% 8.8%
62 Sycamore 1.480 1.643 1.781 0.299 20.2% 18.2% 16.8%
63 Tipp City 30.060 34.314 38.384 9.952 33.1% 29.0% 25.9%
64 Versailles 14.944 16.099 19.518 3.981 26.6% 24.71% 20.4%
65 Wapakoneta 33.746 37.661 30.273 2.986 8.8% 7.9% 7.6%
66 Waynesfield 1.837 2.088 2.806 0.498 27.1% 23.8% 17.7%
67 Wellington 14.640 16.622 19.394 3.981 27.2% 24.0% 20.5%
68 Woodville 3.324 3.879 4.767 0.498 15.0% 12.8% 10.4%
69 Total Prairie State 2,040.995 2,291.035 2,619.371 368.000 18.0% 16.1% 14.0%

[1] Members are Ohio municipalities, except as otherwise noted.
[2] Members of Blue Ridge Power Agency that are also Members of AMP.
[3] Members of Michigan South Central Power Agency that are also Members of AMP.
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APPENDIX H

PROPOSED FORM OF CONTINUING DISCLOSURE UNDERTAKING

This Continuing Disclosure Agreement (this “Disclosure Agreement”), is executed and delivered
as of October __, 2009 by American Municipal Power, Inc. (“AMP”) in connection with the issuance of
AMP Prairie State Energy Campus Project Revenue Bonds, Series 2009B (Federally Taxable) (the
“Series 2009B Taxable Bonds”) and Series 2009C (Federally Taxable — Issuer Subsidy — Build America
Bonds) (the “Series 2009C Taxable Bonds (BABs)” and, together with the Series 2009B Taxable Bonds,
the “Series 2009 Bonds”). The Series 2009 Bonds are being issued pursuant to a Master Trust Indenture,
dated as of November 1, 2007 (as heretofore supplemented, the “Master Trust Indenture”), as
supplemented by the Third Supplemental Indenture and the Fourth Supplemental Indenture, each dated as
of July 1, 2009 and between AMP and U.S. Bank National Association, Cincinnati, Ohio, as trustee (the
“Trustee”), in each such case, in substantially the form thereof heretofore provided to the Participating
Underwriter. The Master Trust Indenture, as so supplemented, is herein called the “Indenture”. AMP
covenants and agrees as follows:

1. PURPOSE OF THE DISCLOSURE AGREEMENT. This Disclosure Agreement is being
executed and delivered by AMP for the benefit of the holders of the Series 2009 Bonds and in order to
assist the Participating Underwriter (defined below) in complying with the Rule (defined below). AMP
acknowledges that it is undertaking responsibility for any reports, notices or disclosures that may be
required under this Agreement. AMP and its officials and its employees shall have no liability by reason
of any act taken or not taken by reason of this Disclosure Agreement except to the extent required for the
agreements contained in this Disclosure Agreement to satisfy the requirements of the Rule.

2, DEFINITIONS. In addition to the definitions set forth in the Indenture, which apply to
any capitalized term used in this Disclosure Agreement unless otherwise defined in this Disclosure
Agreement, the following capitalized terms shall have the following meanings:

“Annual Report” shall mean any Annual Report provided by AMP pursuant to, and as described
in, Sections 3 and 4 of this Disclosure Agreement.

“Beneficial Owner” shall mean, for purposes of this Disclosure Agreement, any person who is a
beneficial owner of a Bond.

“Dissemination Agent” shall mean AMP, acting in its capacity as Dissemination Agent
hereunder, or any successor Dissemination Agent designated in writing by AMP and which has filed with
AMP a written acceptance of such designation.

“EMMA” means the Electronic Municipal Market Access system for municipal securities
disclosure (http://emma.msrb.org) or any other single dissemination agent or conduit required, designated
or permitted by the SEC.

“Filing Date” shall have the meaning given to such term in Section 3.1 hereof.
“Fiscal Year” shall mean the twelve-month period at the end of which financial position and
results of operations are determined. Currently, AMP’s and each MOP’s Fiscal Year begins January 1

and continues through December 31 of the same calendar year, with the exception of Danville, Virginia,
whose Fiscal Year ends June 30 as specified in Section 4 hereof.
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“Listed Events” shall mean, with respect to the Series 2009 Bonds, any of the events listed in
subsection (b)(5)(1)(C) of the Rule, which are as follows:

(1) principal and interest payment delinquencies;

2) non-payment related defaults;

3) unscheduled draws on debt service reserves reflecting financial difficulties;

@) unscheduled draws on credit enhancements reflecting financial difficulties;

(5) substitution of credit or liquidity providers, or their failure to perform;

(6) adverse tax opinions or events affecting the tax-exempt status of the Series 2009 Bonds;

(7) modifications to rights of holders;

(8) bond calls;

9 defeasances;

(10)  release, substitution, or sale of property securing repayment of the Series 2009 Bonds;
(11)  rating changes.

“MOP” shall mean an “obligated person” within the meaning of the Rule. Each of the cities of
Danville, Virginia; Hamilton, Ohio; Bowling Green, Ohio; Cleveland, Ohio; Piqua, Ohio; and Celina,
Ohio, is deemed a MOP.

“MSRB” means the Municipal Securities Rulemaking Board established in accordance with the
provisions of Section 15B(b)(1) of the Securities Exchange Act of 1934, as amended or any other entity
designated or authorized by the SEC to receive reports pursuant to the Rule.

“Official Statement” shall mean the Official Statement dated October 1, 2009 relating to the
Series 2009 Bonds.

“Participating Underwriter” shall mean each original Underwriter of the Series 2009 Bonds
required to comply with the Rule in connection with the offering of such Series 2009 Bonds.

“Rule” shall mean Rule 15¢2-12 adopted by the Securities and Exchange Commission under the
Securities Exchange Act of 1934, as the same may be amended from time to time.

“SEC” means the United States Securities and Exchange Commission.
3. PROVISION OF ANNUAL REPORTS.

3.1 AMP shall, or shall cause the Dissemination Agent to, provide to the MSRB via
EMMA an Annual Report which is consistent with the requirements of Section 4 of this Disclosure
Agreement. Such Annual Report shall be filed on a date (the “Filing Date”) that is not later than
November 30 of the succeeding Fiscal Year commencing with the report for the fiscal year ending
December 31, 2009. Not later than ten (10) days prior to the Filing Date, AMP shall provide the Annual
Report to the Dissemination Agent (if applicable). In such case, the Annual Report must be submitted in
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electronic format and accompanying information as prescribed by the MSRB and (i) may be submitted as
a single document or as separate documents comprising a package, (ii) may include by specific reference
other information as provided in Section 4 of this Disclosure Agreement, and (iii) shall include such
financial statements as may be required by the Rule.

3.2 The annual financial statements of the MOPs shall be prepared on the basis of
generally accepted accounting principles and will be audited copies of the audited annual financial
statements, which may be filed separately from the Annual Report, will be filed with the MSRB when
they become publicly available.

3.3 If AMP or the Dissemination Agent (if applicable) fails to provide an Annual
Report to the MSRB by the date required in subsection (a) hereto AMP or the Dissemination Agent, if
applicable, shall send a notice to the MSRB in substantially the form attached hereto as Exhibit B.

4. CONTENT OF ANNUAL REPORTS. Except as otherwise agreed, any Annual Report
required to be filed hereunder shall contain or incorporate by reference, at a minimum, (i) an updated
table presenting the Participants and their allocation in the PSEC expressed in kilowatts and percentages
as shown on page A-1 of the Official Statement, and (ii) with respect to the MOPs, annual statistical and
financial information, including operating data as described in Exhibit A attached hereto. For purposes of
the Annual Report, it is recognized that the fiscal year for the City of Danville, Virginia ends on June 30
and, as such, annual statistical and financial information for the City will be as of the end of its fiscal
year.

Any or all of such information may be included by specific reference from other documents,
including offering memoranda of securities issues with respect to which AMP or a MOP is an “obligated
person” (within the meaning of the Rule), which have been filed with the MSRB via EMMA or the
Securities and Exchange Commission. If the document included by specific reference is a final Official
Statement, it must be available from the MSRB via EMMA. AMP shall clearly identify each such other
document so included by specific reference.

5. REPORTING OF LISTED EVENTS. AMP will provide in a timely manner to the MSRB
via EMMA, if any, notice of any of the Listed Events, if material.

6. TERMINATION OF REPORTING OBLIGATION. AMP’s obligations under this Disclosure

Agreement shall terminate upon the earlier to occur of the legal defeasance or final retirement of all the
Series 2009 Bonds.

7. DISSEMINATION AGENT. AMERICAN MUNICIPAL POWER, INC. SHALL BE THE
DISSEMINATION AGENT. AMP MAY, FROM TIME TO TIME, APPOINT OR ENGAGE ANOTHER
DISSEMINATION AGENT TO ASSIST IT IN CARRYING OUT ITS OBLIGATIONS UNDER THIS DISCLOSURE
AGREEMENT AND MAY DISCHARGE ANY SUCH AGENT, WITH OR WITHOUT APPOINTING A SUCCESSOR
DISSEMINATION AGENT.

8. AMENDMENT. Notwithstanding any other provision of this Disclosure Agreement, AMP
may amend this Disclosure Agreement, if such amendment is supported by an opinion of independent
counsel with expertise in federal securities laws, to the effect that such amendment is not inconsistent
with or is required by the Rule.

9. ADDITIONAL INFORMATION. Nothing in this Disclosure Agreement shall be deemed to
prevent AMP from disseminating any other information, using the means of dissemination set forth in this
Disclosure Agreement or any other means of communication, or including any other information in any
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Annual Report or notice of occurrence of a Listed Event, in addition to that which is required by this
Disclosure Agreement. If AMP chooses to include any information in any Annual Report or notice of
occurrence of a Listed Event, in addition to that which is specifically required by this Disclosure
Agreement, AMP shall have no obligation under this Agreement to update such information or include it
in any future Annual Report or notice of occurrence of a Listed Event.

10. DEFAULT. Any Beneficial Owner may take such action as may be necessary and
appropriate, including seeking mandate or specific performance by court order, to cause AMP to file its
Annual Report or to give notice of a Listed Event. The Beneficial Owners of not less than a majority in
aggregate principal amount of Series 2009 Bonds outstanding may take such actions as may be necessary
and appropriate, including seeking mandate or specific performance by court order, to challenge the
adequacy of any information provided pursuant to this Disclosure Agreement, or to enforce any other
obligation of AMP hereunder. A default under this Disclosure Agreement shall not be deemed an event
of default under the Indenture or the Series 2009 Bonds, and the sole remedy under this Disclosure
Agreement in the event of any failure of AMP to comply herewith shall be an action to compel
performance. Nothing in this provision shall be deemed to restrict the rights or remedies of any holder
pursuant to the Securities Exchange Act of 1934, the rules and regulations promulgated thereunder, or
other applicable laws.

It shall be a condition precedent to the right, power and standing of any person to bring an action
to compel performance under this Disclosure Agreement that, such person, not less than 30 days prior to
commencement of such action, shall have actually delivered to AMP notice of such person’s intent to
commence such action and the nature of the non-performance complained of, together with reasonable
proof that such person is a person otherwise having such right, power and standing, and AMP shall not
have cured the non-performance complained of.

Neither the commencement nor the successful completion of an action to compel performance
under this Disclosure Agreement shall entitle any person to any other relief other than an order or
injunction compelling performance.

11. BENEFICIARIES. This Disclosure Agreement shall inure solely to the benefit of the
Participating Underwriter and Beneficial Owners from time to time of the Series 2009 Bonds, and shall
create no rights in any other person or entity

AMERICAN MUNICIPAL POWER, INC.

By:
Senior Vice President of Finance and
Chief Financial Officer
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(a)

(b)

EXHIBIT A
PARTICIPANT INFORMATION
Updates for the previous calendar or fiscal year, as applicable, of the statistical and financial data
presented in Appendix B to the Official Statement.
The audited financial statements for the electric system or, if separate financial statements are not
prepared and audited for the electric system, then the audited general purpose financial statements

of the Participant. The basis of presentation of such financial statements shall be generally
accepted accounting principles or such other manner of presentation as may be required by law.
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EXHIBIT B
NOTICE OF FAILURE TO FILE ANNUAL REPORT

RE: American Municipal Power, Inc. Prairie State Energy Campus Project Revenue Bonds, Series 2009B
(Federally Taxable) and Series 2009C (Federally Taxable — Issuer Subsidy — Build America Bonds)

CUSIP NO.

Dated: _,2009

NOTICE IS HEREBY GIVEN that American Municipal Power, Inc. (“AMP”) has not provided
an Annual Report as required by Section 3 of the Continuing Disclosure Agreement, which was entered
into in connection with the above-named Series 2009 Bonds issued pursuant to that certain Master Trust
Indenture, dated as of November 1, 2007, as supplemented by the Third Supplemental Indenture, dated as
of July 1, 2009, and the Fourth Supplemental Indenture, dated as of July 1, 2009, each between AMP and
U.S. Bank National Association, Cincinnati, Ohio, as trustee (the “Trustee”). AMP anticipates that the
Annual Report will be filed by

Dated: AMERICAN MUNICIPAL POWER, INC.

By:
Senior Vice President of Finance and
Chief Financial Officer
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